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a b s t r a c t

We have developed an injection well design to reduce the cost of CO2 sequestration. In this design, we
propose a reverse gas-lift technology for simultaneous injection of CO2 and water into aquifers. Saline
water, which is produced at a location distant from the storage site, is pumped into a well through
tubing; CO2 is injected using the annular space between the tubing and the casing. One way gas-lift
valves installed along the tubing allow the flow of CO2 from the annulus into the tubing. This design
makes the injection achievable at lower wellhead pressures, thereby, decreasing the compression costs.
Simulation results demonstrate that the compression cost is lower than when a conventional injection
scheme is used. The results also reveal that the proposed design can decrease the energy consumption
for CO2 sequestration. These results have implications for the large-scale implementation of CO2

sequestration.
� 2012 Elsevier Ltd. All rights reserved.
1. Introduction

The rising trend in the Earth’s average temperature and its
consequences in climate changes are concerns of the public and
governments all around theworld. It is believed that anthropogenic
greenhouse gases are responsible for most of the observed
temperature increase since the middle of the twentieth century.
Carbon dioxide (CO2) emissions from the use of fossil fuels form
a significant portion of these gases [1,2].

One of the most promising proposed mitigations for reducing
CO2 emissions is CO2 capture and sequestration (CCS) [1e3]. CCS is
a process that consists of separation of CO2 from industrial and
energy-related sources, compression, transportation to a storage
location, and long-term isolation from the atmosphere [4]. The
geological sequestration of CO2 can be accomplished in depleted oil
and gas reservoirs, coal seams, and deep saline aquifers. The
potential storage capacities of these candidates are different, with
the highest capacity related to deep saline aquifers [5,6]. The high
potential of deep saline aquifers has encouraged scientists to study
this option since the early 1990s.

Several mechanisms can lead to permanent storage of CO2 in
deep saline aquifers, including solubility trapping [6,7], residual
phase trapping [8e10], and mineral trapping [11e13]. In early
studies, van der Meer [14] recognized that aquifers’ pore pressure
increases with CO2 injection in compartmentalized or low-
All rights reserved.
permeability reservoirs, which can potentially decrease the
capacity of storage. Ghaderi et al. [15] demonstrated that the
injection of large volumes of CO2 within a relatively small area and
a short period of time limits the injection capacity. It has been
concluded, therefore, that the injection of a substantial amount of
CO2 in a saline aquifer may be a very difficult task. The injection
capacity may be much lower than the estimated pore space for
storage, because the reservoir pressure during injection may
quickly exceed the fracture pressure; therefore, injection is stopped
before a target amount is injected.

Moreover, after injecting CO2 into an aquifer, the injectedmobile
supercritical phase migrates upward and spreads under the sealing
rock, due to its buoyancy. When CO2 is in the free mobile phase,
there is always a risk of leakage through natural and artificial
pathways [16]. Once CO2 is dissolved into brine, it cannot migrate
upwards other than by diffusion and can then be maintained with
a negligible risk of leakage.

Some studies have been done using reservoir engineering
techniques to accelerate the CO2 dissolution rate. In such methods,
the formation brine can be produced at a distant location and
pumped back on the top of the injected CO2 plume. Hassanzadeh
et al. [17] and Keith et al. [18] investigated the role of brine injection
on the top of a CO2 plume in accelerating CO2 dissolution in
formation brines.

In an extension to their work, Hassanzadeh et al. [19] used
a black oil reservoir simulation approach to perform more
comprehensive numerical simulations for investigating the role of
brine injection on the top of a CO2 plume, leading to accelerated
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solubility trapping mechanisms. In a traditional black oil reservoir
simulator the liquid hydrocarbon phase is treated as if it has only
two components doil and gasd with a simple, pressure-
dependent solubility law of the gas in the liquid phase. Using
such an approach one can simulate a CO2-water system by
replacing gas by CO2 and oil by water. A detailed treatment of the
CO2-brine systemusing a black oil flow simulator has been reported
elsewhere [18]. The authors proposed an engineering design for
accelerating CO2 dissolution and showed a potential acceleration
using simultaneous brine and CO2 injection. They concluded that, in
comparison with CO2 capture and compression costs, brine
pumping may be cost-effective in terms of energy expenses.

Surface mixing of CO2 and brine has also been reported in the
literature [20,21]. The disadvantage of this scenario may be in the
capital and operational costs of the surface processing facilities for
water and CO2 mixing.

In this paper, we propose a new well string design for simul-
taneous injection of CO2 and brine to decrease the required
pumping and compression power associated with CO2 disposal. In
the following section, a description of the system is presented,
followed by the model development, results and discussion, and
a brief conclusion.
2. System description

In this study, a new design is presented for the injection of CO2.
This proposed design decreases the required power associated with
the sequestration of CO2 in deep saline aquifers. In this work,
a tubing well string configuration equipped with gas-lift valves is
proposed for simultaneous injection of CO2 and brine into the
saline aquifers.

Fig. 1 depicts the arrangement of the proposed well string used
for simultaneous injection of CO2 and water. This system consists of
a gas compression station, a water pump and a tubing string with
installed gas-lift valves. The space between the wellbore casing and
tubing is called annulus. Water and CO2 are injected into the tubing
and annulus, respectively. Gas-lift valves provide communication
between the annulus and tubing. The gas-lift valves with preset
opening and closing pressures situated in the gas-lift mandrel are
used to control and maintain flow of the injected CO2 from the
annular space into the tubing. The gas-lift valves (similar to those
used in the petroleum industry for gas-lift operations for oil
production) in the mandrel allow the injection of CO2 into the
tubing. A detailed description of the gas-lift valves is given by Guo
et al. [22].
Fig. 1. Configuration of the proposed well string us
The introduction of CO2 from the annulus into the tubing
through gas-lift valves causesmass transfer between CO2 and brine,
thereby increasing the dissolution of the CO2 into the water. Such
a dissolution process can be conducted at the surface. However, this
new design is more efficient, sincewe benefit from higher solubility
of CO2 in brine and higher pressure provided from the well column
compared to the surface condition. In addition, the proposed design
leads to a decrease in the cost associated with CO2 compression and
water pumping.

The development of a model for the investigation and simula-
tion of the behavior of such a system for CO2 storage applications is
the main goal of the next section.
3. Model development

To develop a model for the proposed process, the whole
configuration is first considered as a combination of links, sources,
sink and junction nodes, as shown in Fig. 2. The CO2 and water feed
points are source nodes, the point of the injection into the aquifer is
called a sink node, and each of the upstream and downstream valve
points is considered a junction node. The process parameters that
should be determined at each node are the pressure and flow rate.
The aim is the computation of the unknown variables at these
nodes.

As mentioned above, two sources exist in the proposed config-
uration. The nodes of the annulus line and tubing line are source
points (AP1 and TP1, respectively) in which the injected CO2 and
water flow rates are given. Pressures at these points are unknown
and should be calculated. There is just one sink node in the tubing
(TPN). Since the mixture of CO2 and water should be injected into
a saline aquifer, the well bottomhole pressure is dependent on the
saline aquifer pressure and, therefore, should be greater than the
saline aquifer pressure. In this study, it is assumed that injection
into the saline aquifer happens at a constant bottomhole pressure.
This assumption can be justified by balancing the volume of
injectedwater produced from and injected into the saline aquifer as
shown in Fig. 1. Therefore, the well bottomhole pressure at the
tubing line (sink node) is a known parameter.

Fig. 2 shows the detailed network configuration in the proposed
design. Each point upstream and downstream of the gas-lift valves
(injection points) is considered a node (APi and TPi, respectively).
The number of nodes is dependent on the number of injection
points or gas-lift valves. The connection between these nodes is
provided by links. In the proposed design three types of links are
considered including: the link between the annulus and tubing
ed for simultaneous CO2 and water injection.



Fig. 2. Schematic of the network configuration.
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through the gas-lift valves (CO2 flow through the valves), the
annulus links (vertically downward CO2 fluid flow through the
annulus), and the tubing links (vertically downward CO2-water
fluid flow through the tubing). The required equations to calculate
the unknown parameters should be defined. The fluid flow equa-
tions for all gas-lift valve, tubing and annulus links shown in the
network configuration should be included to complete the model.
These equations for different sections are coupled together and
need to be solved simultaneously. Based on the inlet condition at
the top of the well and the aquifer pressure all the required
parameters can be obtained.

In the following subsections, the modeling of the valve, annulus
and tubing sections are presented, and a method for solving the
coupled system is then described.

3.1. Modeling of the valves

The injected mass flow rate through the valves can be deter-
mined by a choke flow equation [22]. The pressures upstream and
downstream of the injection choke are the annulus and tubing
pressures at the corresponding nodes, respectively. There is no
universal equation for calculation of the mass flow rate through
a choke for all types of production fluids. Different choke models
are available in the literature for single-phase and multi-phase
flows; the choke model must be chosen based on the flow
regime, i.e., subsonic or sonic flow. If the fluid velocity in the choke
throat exceeds the sound velocity at in situ conditions, the flow
regime is sonic. Fluid velocities less than the sonic flow conditions
are considered to be subsonic.

At sonic flow conditions, variations in the downstream pressure
do not affect the upstream pressure. The existence of sonic flow
through a choke depends on the downstream to upstream pressure
ratio. If this pressure ratio is less than the critical pressure ratio, the
flow regime is sonic. On the other hand, if the ratio is equal to and
greater than the critical pressure ratio, it is called subsonic. Gas-lift
valves are considered oneway; therefore, when the casing pressure
is less than the tubing pressure, the valves do not operate and there
is no flow rate through the valves.

The process in the choke is assumed to be isentropic, since it is
adiabatic (no time for heat transfer); the friction loss is assumed to
be negligible at the choke. We use the following equations to
calculate the CO2 flow rate through the valve for sonic and subsonic
flow regimes [22]:

Sonic flow : qgM ¼ 4:17� 106CcAcPup
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where qgM is the gas flow rate in Msm3/day, Pup is the upstream
pressure of the choke (casing node pressure) in MPa, Ac is the choke
cross-sectional area in m2, Tup is the upstream temperature of the
choke (casing node temperature) in degrees Kelvin, gg is the gas
specific gravity, and Cc is the choke flow coefficient.

The following correlation gives the choke flow coefficient with
reasonable accuracy for a Reynolds number between 104 and
106 [23]:

Cc ¼ dc
D

þ 0:3167

ðdc=DÞ0:6
þ 0:025½logNRe � 4� (3)

where NRe is the Reynolds number, dc is the choke diameter in
meter, D is the pipe diameter in meter, and m is the gas viscosity at
in situ pressure and temperature in mPa-sec. Beyond a Reynolds
number of 2 � 106, the choke flow coefficient remains constant. For
the proposed design the Reynolds number is within 7 � 105 and
8 � 106 and, therefore, this correlation can be used. Since the
Reynolds number and, consequently, the choke flow coefficient (Cc)
are dependent on the gas flow rate, a trial-and-error method is
used to calculate the gas flow rate.

3.2. Modeling of the annulus and tubing links

It was previously mentioned that, depending on the number of
injection points, the annulus and tubing sections are divided into
several links. Each link starts from a source/junction node and ends
at a junction/sink node. The first parameter that is important in our
calculations is the input amount of CO2 into the annulus link
(i.e., _mA1 at the injection point “i” for the annulus link). This amount
is dependent on the CO2 injected through the valves at upper
injection points. Therefore, it can be calculated for each annulus
link using the following equation:

_mAi ¼ MCO2
�
Xi
j¼1

rgSqgMj (4)

where _mAi is the input mass flow rate of CO2 into the annulus link in
kg/sec, MCO2

is the total injected CO2 into the well in kg/sec, rgs is
the CO2 density in kg/m3 at standard conditions, and qgMj is the
injected CO2 through valve “j” in standard m3/sec.
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The total amount of the injected CO2 and water at the beginning
of the tubing link can be easily calculated. Since thewater is just fed
into the tubing line, the total amount of the injected water at the
beginning of every tubing link is equal to Mwater, as shown in Fig. 2.
Moreover, the mass of the injected CO2 is the sum of the injected
CO2 through the upper valves, which is shown in the following
equation:

_mTi ¼
Xi
j¼1

rgSqgMj (5)

where _mTi is the input mass flow rate of CO2 into the tubing link in
kg/sec, rgs is the CO2 density in kg/m3 at standard conditions, and
qgMj is the injected CO2 through valve “j” in standard m3/sec.
Fig. 3. Flow chart of the single-
Another parameter in the calculation is the flowing wellbore
temperature profile. From the reported modeling data, the fluid
temperature along the well can be approximated by a linear func-
tion of the depth along the well, as given by T(z) ¼ Ts þ Gz, where
T(z) is the fluid temperature at the depth equal to z in �C, Ts is the
surface temperature in �C, G is the temperature gradient in �C/m,
and z is the depth in m [24].

To determine the pressure drop (dp) along tubing and annulus
links, we discretize each link to a number of segments (dL). A step-
by-step procedure is used to solve the segment calculations [25].
This procedure is called a marching algorithm, which is outlined in
Fig. 3. Detailed equations for pressure drop calculations are given
by Beggs and Brill [25]. The calculation procedure starts from
a given point such as an input/outlet node with a predetermined
link calculation procedure.
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segment length, pressure and temperature. Thus the input mass
( _mAi, _mTi) and temperature T(z) can be determined. After deter-
mining the average pressure and temperature along the segment,
a CO2-brine PVT (pressure, volume, temperature) program1 is used
for the determination of CO2 and brine PVT properties [25].
The pressure drop calculation along the segment, DPe, is then
performed using Beggs and Brill’s method [26].

These calculations are conducted in an iterative manner, as
shown in Fig. 3. The procedure described in this figure returns the
calculated pressure difference between two subsequent nodes for
tubing and annulus links and are denoted as DAPi and DTPi for the
annulus and tubing links, respectively.

The overall pressure gradient consists of three terms [27]. The
first term is called the acceleration term, the effect of which on the
total pressure gradient is negligible as compared to other forms of
the pressure drop, because there is no change in the diameter for the
links or segments and the CO2 density variation in the annular space
is not significant. The other two terms are the static and friction loss
pressure terms. The fluid flow regime through the annulus link is
vertically downward and a single-phase; therefore, static and fric-
tion pressure loss can be simply calculated using CO2 properties and
velocity. The friction factor is a function of the flow regime that is
determined by the Reynolds number and the relative roughness of
the tubing. Chen’s equation,which approximates theMoody friction
factor, is used to calculate the single-phase friction factor [28].

Although the same procedure is applied for the pressure distribu-
tion through the tubing link, the segment pressure gradient is much
morecomplicated inthetubing.Thecomplexityarisesbecausethefluid
flow is two-phase and CO2 dissolution occurs along the tubing link.

3.3. Pressure drop calculation in the tubing link

As described in the previous section, the injected CO2 from the
annulus contacts the injectedwater in the tubing. Since thewater is
undersaturated with respect to CO2, a fraction of the CO2 dissolves
into the water. In addition, the injected CO2 is also undersaturated
(dry) with respect to water vapor; therefore, a fraction of the
aqueous phase evaporates into the gaseous phase. These dissolu-
tion and evaporation processes occur in the tubing links, resulting
in variations of the flow rate of the gaseous and aqueous phases.
Due to the evaporation of the water, the liquid flow rate slightly
decreases across the link. If it is assumed that the CO2 phase is
saturated by water, the liquid flow rate can be easily computed by
subtracting the evaporated water from the total injected brine flow
rate at the beginning of the segment.

The mutual solubility for the water-CO2 system at the prevailing
conditions are found by a procedure described by Hassanzadeh
et al. [26]. The dissolved CO2 in water can be represented by the
solution gas-water ratio, RS, which is the standard volume of CO2
dissolved in water per unit volume of water at standard conditions.
In addition, the water volume at the prevailing pressure and
temperature increases due to the dissolution of CO2 in the water.
The relative change in the volume of CO2 saturated brine to its
standard volume is represented by the formation volume factor,
which is denoted by Bw. Taking into account dissolution and
evaporation processes, the gas and liquid flow rates can be deter-
mined using the following equations:

QL ¼ ðQw �WcQGÞBw (6.1)

QG ¼ �
QCO2

� RsQw
�
Bg (6.2)
1 This computer program is available up on request from. hhassanz@ucalgary.ca.
where QL is the liquid flow rate in m3/sec, QG is the gas flow rate in
m3/sec, Qw is the inlet water flow rate in standard m3/sec, QCO2

is
the inlet CO2 flow rate in standard m3/sec, Wc is the water content
of CO2 in m3/standard m3 of CO2, Bw is the water formation volume
factor in m3/standard m3, Bg is the CO2 formation volume factor in
m3/standard m3, and Rs is the solution gas-water ratio. In Equations
(6.1) and (6.2), the second terms contribute to evaporation of water
and dissolution of CO2 in water, respectively.

The CO2 concentration in water can be obtained using the
following equation:

CCO2
¼ Rsrgs

Bw
(7)

This formulation leads to the maximum expected dissolution,
which is the equilibrium concentration of CO2 in brine and is about
2.5 mole percent. In practice, the injected CO2 and water may not
reach equilibrium, and other means of enhancing mass transfer
between the two phases may be necessary. However, since the
dissolution of CO2 into brine is very small (about 2.5 mole percent),
the pressure distribution and concentration profile can be decou-
pled from the phase equilibrium or PVT data.

3.4. Integrated model

The development of the model for injecting CO2 and water
through the proposed well string configuration is based on the
integration of the sink, source and junction nodes. CO2 and water
feed points are the source nodes and aquifer sinks, and each of
upstream/downstreamvalves are considered as the junction nodes.

The process parameters that should be determined at each node
are the pressure and flow rate. Due to the dependence of all nodes
on each other through the links, the whole system must be solved
simultaneously. Therefore, an integrated model to solve the whole
system is presented in this subsection.

Since all the described nodes are connected together with links,
these links relate the node process parameters and should be
modeled properly. Thus far, the choke, annulus and tubing sections
have been modeled. Therefore, after determining the model for
each section, the known and unknown variables are defined, and
the integrated system of equations then needs to be established.
Finally, this system of equations is solved to find the unknown
parameters. This procedure is described in more detail in the
following paragraphs.

For an integrated system with N valves, the total number of
nodes is 2N and there are 4N process variables (the pressure and
flow rate of 2N nodes). Three process variables are the known
parameters, including themass flow rates of the total injected brine
and CO2 and the bottom well tubing pressure, which is dependent
on the aquifer pressure. Therefore, 4N-3 independent equations
should be determined to completely define a system of equations
for finding the unknown variables. The number of equations can be
further reduced by using the continuity equations for N-1 links in
the annulus and tubing lines, as represented by Equations (4) and
(5), resulting in a reduction of 2N-2 equations. Consequently, the
number of equations is reduced to 4N-3-(2N-2) ¼ 2N-1. Therefore,
the actual unknown variables are all node pressures, except the last
tubing node pressure (TPN), which is the aquifer pressure.

Since there are 2N-1 unknown pressures, 2N-1 independent
equations are required. For link “i” in the annulus and tubing lines,
the following equations can be written, respectively:

APi � APiþ1 ¼ DAPiðTP1;.;AP1;.Þ (8.1)

TPi � TPiþ1 ¼ DTPiðTP1;.;AP1;.Þ (8.2)

mailto:hhassanz@ucalgary.ca


Fig. 4. Concentration profiles along the tubing, cases of 0.01, 0.02, and 0.03 �C/m.
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whereAPi is the annuluspressure at injectionvalve “i” inPa,APi is the
tubing pressure at injection valve “i” in Pa, andDAPi andDTPi are the
pressure drops for the annulus and tubing sections, respectively.

All the variables in the system are independent variables in
these functions. Thus far, 2N-2 equations have been determined.
The last equation is the mass balance equation over the injected
mass flow rate of CO2 to the system and the sum of the injected CO2
through all valves:

MCO2
¼
XN
j¼1

rgSqgMj (9)

whereMCO2
is the total injected CO2 into the system in kg/sec, rgs is

the CO2 density at standard conditions in kg/m3, and qgMj is the
injected CO2 through valve “j” in standard m3/sec.

Writing Equations (8.1) and (8.2) for all nodes and Equation (9)
for node N-1, we reach a system of nonlinear equations as given by:8>>>>>>>>>>><
>>>>>>>>>>>:

F1ðTP1;.;AP1;.Þ¼TP1�TP2�DTP1ðTP1;.;AP1;.Þ¼0
«

FN�1ðTP1;.;AP1;.Þ¼TPN�1�TPN�DTPN�1ðTP1;.;AP1;.Þ¼0
FNðTP1;.;AP1;.Þ¼AP1�AP2�DAP1ðTP1;.;AP1;.Þ¼0

«
F2N�2ðTP1;.;AP1;.Þ¼APN�1�APN�DAPN�1ðTP1;.;AP1;.Þ¼0

F2N�1ðTP1;.;AP1;.Þ¼MCO2
�PN

j¼1
rgSqgMj¼0

(10)

where Fi(TP1,., AP1,.) represents the residual of the pressure drop
for node “i”, which is a function of all the variables in the system.
This residual can be evaluated using Beggs and Brill’s procedure
[25]. To evaluate this function at each node, parameters such as the
mass flow rate of the injected CO2 and water described in Equations
(4)e(6), the tubing and annulus diameters and the physical prop-
erties of CO2 and water are needed.

The NewtoneRaphson method is used to solve the above
nonlinear system of equations [29]. Due to the nonlinearity of the
system of equations and the discontinuity in the choke equations
(which leads to a high possibility of independence of the annulus
and tubing line pressures), very accurate initial guesses are needed;
otherwise, the systemdiverges.Afterdetermining the initial guesses
for the unknown pressures, the following equations are used to
gradually improve the convergence and, consequently, approach the
converged solution for the system of nonlinear equations.

2
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The first matrix is a coefficient matrix, which is the Jacobian
matrix of 2N-1 functions (F1, ., F2N-1) with respect to 2N-1 vari-
ables (TP1,., TPN-1, AP1,., APN) for k iterations to find the final
solution. The right-hand side vector, F, represents the residuals of
the functions for iteration k. The second column vector, d, on the
left-hand side of the equation is the correction matrix, which is
calculated by multiplying the inverse of the Jacobian matrix by the
residual matrix. The unknown values are updated, and the iteration
continues until a final solution of the system with acceptable
accuracy is obtained. In all simulations a pressure difference of
10 kPa (1.45 psi) was used as a convergence limit.
4. Results and discussion

4.1. Integrated model simulations

In this section, the simulation of a complete well string config-
uration that injects CO2 and water into a saline aquifer is discussed.
First, a sensitivity analysis to the flowing temperature gradient is
presented. A mass flow rate of 30,000 kg/hr (w0.26 Mt/yr) brine
was injected into tubing with an internal diameter of 10 cm, and
CO2 was injected at 20,000 kg/hr (w0.17Mt/year) into a saline
aquifer at a depth of 1000 m. The internal diameter of the casing
was 14 cm. A gas-lift valve, with a diameter of 2.54 cm (1 in.), was
placed just below the wellhead, and the CO2-brine mixture was
injected into the saline aquifer at 7 MPa (w1000 psia). Simulations
were conducted for three flowing temperature gradients along the
tubing: 0.01, 0.02 and 0.03 �C/m.

The concentration profiles for different cases were calculated,
and those along the tubing section are shown in Fig. 4. The results
show that the higher temperature gradient along the tubing results
in lower dissolution of CO2 into brine. Fig. 4 also shows that, for the
lower temperature gradient along the tubing, the CO2 concentra-
tion had an increasing trend because, in this case, the pressure was
the dominant factor and dissolution was an increasing function of
pressure. On the other hand, for the higher temperature gradient
(0.03 �C/m), the CO2 concentration decreased with depth, demon-
strating that temperature was the predominant factor, due to the
CO2 dissolution decreasing with increasing temperature. In addi-
tion, Fig. 4 shows that, for the problem studied here, a flowing
temperature gradient of 0.02 �C/m was close to the turning point
between the increasing and decreasing trends of dissolution.

Fig. 5 shows pressure profiles along the tubing and annulus
sections. Although the concentration profiles were different among
three cases, as shown in Fig. 4, there was no significant difference
between the tubing pressures of these three cases, primarily
because the CO2 dissolution was small and did not have a signifi-
cant effect on the liquid hold up along the tubing. Nevertheless, the
results show that the lower temperature gradient needs a slightly
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Fig. 5. Pressure profiles along the injection well for the three cases of 0.01, 0.02 and 0.03 �C/m: (a) tubing and (b) Annulus.
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higher wellhead annulus pressure to achieve the same bottomhole
pressure compared to the larger temperature gradient. Since the
flowing temperature gradient did not affect the wellhead pressure
significantly, we used a constant linear flowing temperature
gradient of 0.01 �C/m in the design calculation that follows. This
leads to a more conservative estimate of the required power for the
pump and compressor.

The developed model was used to simulate a multi-valve
injection scheme. Fig. 6 depicts a schematic diagram of the
proposed injectionwell string configuration for injecting CO2-brine
mixtures into a saline aquifer. The injectionwell characteristics and
operating conditions are described in this figure.

The pressure profiles along the tubing and annulus for a system
with five injection valves are shown in Fig. 7. In this analysis,
Fig. 6. Schematic of simulated injection well configuration.
30,000 kg/hr (w0.26 Mt/yr) brine and 20,000 kg/hr (w0.17 Mt/
year) of CO2 were injected. These pressure profiles show that CO2
was pushing through first three valves. Since the upstream pressure
was less than the downstream pressure at the fourth and fifth
injection points, there was no injection through the last two valves.
The amount of injected CO2 for each valve is also shown in Fig. 7.

A sensitivity analysis was performed on the effect of the CO2
injection rate into the annulus. The results shown in Table 1 reveal
that when the CO2 introduced into the casing decreased, the
number of operating valves decreased. The red cells in Table 1 show
those injection valves that were not operating. The mass flow rates
of the injected CO2 for the operating valves (open valves) are shown
in the green cells.

One option for injecting CO2 into a deep saline aquifer is CO2
compression and subsequent injection into a well without brine
injection, which is referred to as a conventional injection technique.
The results related to the conventional injection technique are
obtained by running simulations with no brine injection and in the
absence of the gas-lift valves. The other option is to use the well
string configuration proposed in this work. In the following para-
graphs, simulations of these two approaches are described, and
their results are compared.

Figs. 8 and 9 show the required wellhead injection pressures for
different rates of CO2 and brine injection using the developed
design. In addition, the pressure required from a compressor
station for the conventional injection technique is also shown. The
results show that when the conventional injection scheme was
used, the required wellhead pressure was almost constant and
equal to 6.82 MPa. Simulation results reveal that when the
proposed design was applied, the required compressor discharge
pressure decreased.

In Fig. 8, a constant water injection rate of 0.26 Mt/yr was used.
The results shown in Fig. 8 demonstrate that as the CO2 injection
rate increased, the difference in compressor discharge pressures for
the two injection options reached a plateau. This plateau shows
a 1 MPa pressure difference between the conventional injection
scheme and the proposed model. As demonstrated in the following
section, this pressure difference for the compression of CO2 can be
translated into significant energy savings. At very high flow rates of



Fig. 7. Annulus and tubing pressure profiles with ½ in gas-lift valves. PR and CPR are the pressure ratio and critical pressure ratio, respectively. In this analysis, 30,000 kg/hr
(w0.26 Mt/yr) brine and 20,000 kg/hr (w0.17 Mt/year) of CO2 were injected.

Table 1
ON and OFF gas-lift valves in the system; the red cells show those injection valves that were not operating; the mass flow rates of the injected CO2 for the operating valves
(open valves) are shown in the green cells.

Fig. 8. Wellhead pump and compressor discharge pressures required for various
injection rates of CO2 at a constant injection rate of 0.26 Mt/yr of water.
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water the liquid hold up in the tubing increases. This leads to
a lower wellhead tubing pressure and consequently a greater
difference between compressor discharge pressures for the two
injection options. It is likely that, at very high flow rates beyond
0.26 Mt/yr of water this pressure difference increases due to larger
water hold up in the tubing. This condition is more favorable in
terms of energy savings as a result of lower compressor discharge
pressures for the proposed scheme.

Fig. 9 depicts the required wellhead compressor and pump
discharge pressures for different water injection rates and a constant
CO2 injection rate of 0.18Mt/yr. The results show that, at higherwater
injection rates, the required pump and compressor discharge pres-
suresdecreasedby increasing thewater injection rate, as a result of an
increase in the water hold up in the well tubing. This is because the
static pressure gain due to liquid hold up is dominant over the fric-
tional pressure loss.

4.2. Economics

We investigated a scenario where 1Mt/yr of CO2 generated from
a coal-fired power plant was captured and injected into a deep
saline aquifer for a period of 30 years. A coal-fired power plant
operating at 33% efficiency produces w3.79 PJ of electricity for



Fig. 9. Wellhead pump and compressor discharge pressures required for different
injection rates of water and a constant CO2 injection rate of 0.18 Mt/yr.

Fig. 11. Total energy consumption percent of energy generated versus water mass flow
rate for a constant CO2 injection rate of 0.18 Mt/yr per well (a total CO2 sequestration of
1 Mt/yr). The percent reduction in compression and pumping energy consumption as
a result of using the proposed technique is also shown.
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every 1 Mt of produced CO2 per year. We assumed that the cost of
drilling and well completion was an insignificant cost compared to
the cost of CO2 capture, which would be in the order of
w$1000 million (equivalent to a capture cost of 33$/tCO2). We also
assumed the compression of CO2 from atmospheric pressure up to
thewellhead injection pressure.We further assumed a cost for CO2-
neutral electricity of 6 c/kWhr.

To compare the energy consumption of the proposed and
conventional injection techniques, total compression and pumping
energy consumption for the sequestration of 1 Mt/yr of CO2 was
calculated as a percentage of energy generated in the power plant.
Fig. 10 shows the total energy consumption as a percent of energy
generated versus the CO2 mass flow rate for a constant water
injection rate of 0.26 Mt/yr per well (a total CO2 sequestration of
1 Mt/yr). Fig. 11 shows the total energy consumption as a percent of
energy generated versus the water mass flow rate for a constant
CO2 injection rate of 0.18 Mt/yr per well (a total CO2 sequestration
of 1 Mt/yr). The percent reduction in compression and pumping
energy consumption as a result of using the proposed technique is
also shown in these figures. The results show that when the
Fig. 10. Total energy consumption percent of energy generated versus CO2 mass flow
rate for a constant water injection rate of 0.26 Mt/yr per well (a total CO2 sequestration
of 1 Mt/yr). The percent reduction in compression and pumping energy consumption
as a result of using the proposed technique is also shown.

Fig. 12. Compression and pumping cost percent of CO2 capture cost for the conven-
tional and proposed techniques. The total compression and pumping energy for the
proposed and conventional CO2 injection schemes is also shown.
proposed design was utilized, the total energy consumed for
compression and pumping decreased significantly.

A sensitivity analysis was conducted based on CO2 injection
using six injection wells with a constant injection rate of CO2
(0.18 Mt/yr per well) and different water injection rates. Fig. 12
shows the CO2 compression and pumping cost compared to the
capture cost for a 30-year injection period. The results show that
the water pumping costs were negligible compared to the CO2

compression costs and the proposed design could potentially
decrease the overall compression cost. In addition, the compression
and pumping to capture costs decreased by increasing the water
injection rate, which seems promising.
5. Summary and conclusions

A new downhole injectionwell string design has been proposed
for the simultaneous injection of CO2 and water into deep saline
aquifers in this article. A model has been developed for the simu-
lation of the concurrent injection of CO2 and water. The proposed
design has been successfully simulated for different CO2 and water
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injection flow rates; the simulation results demonstrate that the
required compression cost for CO2 injection is lower than when
a conventional injection well is used for CO2 injection. The results
also show that the proposed design could potentially result in
a decrease of w33% in the total energy consumption for CO2
compression. These results have immediate applications for field-
scale implementation of CO2 geological storage.
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